In this paper we will present the outcome of a study conducted to evaluate the feasibility of large scale injection of sour and/or acid gas into a low permeable carbonate reservoir to enhance oil recovery.
Introduction
The class of reservoirs that are the subject of this investigation into the merits of alternative gas injection are large, high N/G, about 50 m thick carbonate reservoirs. Water injection has been the prime recovery process in these reservoirs that do not have a substantially natural water drive. In these large reservoirs properties vary and flank areas often show a severe reduction in permeability. Vertically averaged permeability is often more than 100 mD in the crest but deteriorates to less than 10 mD at the periphery. With such low permeability, waterflooding quickly looses its attractiveness, as it will require a very dense well spacing or result in a protracted field life. The use of gas as an injectant alleviates these drawbacks to a certain extent, but due to the lower viscosity the gas injection process is less efficient than water injection. Moreover, injection of lean (high methane content) gas carries significant cost, as there is a market for gas in the region.
Large volumes of sour gas are encountered in the region and are often found directly below the oil reservoirs. Mainly because of the vast HSE complexities associated with producing large volumes of H 2 S, these sizeable volumes are so far untapped. Safe handling of H 2 S remains a challenge, in particular from a sustainable development perspective. However, in-depth studies have demonstrated that the safety aspect can be managed within a sound economical framework [1] .
This paper reports about a simulation study that was undertaken with the objective of identifying the impact of alternative (gas) injectants on the recovery factor for the low permeable areas of these large carbonate oil reservoirs.
Injectants
A typical field in this region consists of a stack of reservoirs where the type of hydrocarbon progresses with depth from relatively heavy oils in the shallow reservoirs, through light oils, rich gases to dry gases in the deeper closures. These deep gas reservoirs contain very sour gases. For all practical (subsurface modeling) purposes the gas from the deeper reservoirs can be considered to contain CH 4 , H 2 S and CO 2 in the ratio 60/30/10. In this paper this mixture will be referred to as "sour gas". CO 2 is often an important ingredient of injection mixtures where a certain level of miscibility between injectant and reservoir oil is desirable. For the purpose of achieving miscible conditions, H 2 S is a more suitable component than CO 2 . The toxic aspects though have prohibited large-scale use of H 2 S in oil recovery processes so far [2] [3] [4] [5] . However, this source of sour gas is still 60 % methane, which has a substantial value. An alternative for straight injection of sour gas is applying a sweetening process, where the CH 4 is separated out, and the remaining waste product, which is then roughly a 75/25 mixture of H 2 S and CO 2 , is injected. This latter mixture, which will be referred to as "acid gas", has excellent miscibility characteristics.
The reservoir oil was characterized by tuning the properties of pseudo components in a phase equilibrium package. An accurate match with experimental laboratory test data provides confidence that the thermodynamic description of the reservoir oil is sufficient to the extent that it can be used to explore interactions with potential gaseous injectants. Because of the reputation of CO 2 as a suitable ingredient of injection gas mixtures and the possibility of a future CO 2 source, injection of pure carbon dioxide was also included in this evaluation. The difference in the way CO 2 and acid gas interact with the reservoir oil is illustrated in Figure 1 . This figure depicts the saturation pressure vs. the concentration of the injection gas in the mixture. In case of CO 2 injection the bubble point pressure increases gradually when CO 2 is added to the oil before it reaches a maximum (it is a dew point by then). On the other hand, with acid gas as the injectant the bubble point decreases monotonically with increasing injectant concentration. For the relevant reservoir pressures and temperatures the mixing of acid gas and reservoir oil will always result in a single phase fluid, i.e. acid gas is first contact miscible with the oil. Injection of CO 2 will result in a miscible condition only after continued mass exchange between the two phases have caused a certain convergence of the respective compositions. That process is called developed or dynamic miscibility.
Injection of lean gas (>94 % CH 4 ) is currently taking place in dedicated areas of the subject reservoirs. This has the advantage of increasing the total system mobility, but mass exchange between the injection gas and the native oil is minor. The global properties of the four subject injectants with respect to interaction with the reservoir oil are summarized: Not surprising, this indicates that the richer the injectant the more easy to achieve an efficient microscopic displacement. Therefore, on the basis of injected pore volumes, the recovery factor might be expected to vary accordingly. However, there is also the factor of time (or well spacing) that is required for a certain recovery to materialize, which would favor injection of a low viscosity gas. Furthermore, excellent mixing results observed in a PVT cell will only turn into real value if the reservoir heterogeneity allows for mixing to take place at a sufficient scale. For this reason a numerical model with a great deal of geological detail is required to realistically assess the relative merits of the various injection processes.
Miscibility
One of the common problems with gas injection is asphaltene precipitation. This problem has been reported when injecting CO 2 [e.g. 6-7, and references therein]. A dedicated laboratory study was performed using both CO 2 and acid gas as injectants. It was found that addition of CO 2 renders asphaltene in the crude oil unstable. Both experiments and modeling work indicated that asphaltene onset pressure decreases upon mixing with the acid gas while it increases upon mixing with CO 2 .
Reservoir Model
The basis of all subsequent simulation work is a detailed reservoir geological model. This static model has a vertical resolution of one foot, and areal block dimensions measure some 100 m. The strongly layered reservoirs do allow for an adequate representation in a model with this resolution. All log and core data were honored and stochastic methods were applied in populating the space in between wells. Limited vertical upscaling was applied in the construction of the subsequent dynamic model. Only blocks with the same properties were merged, in that way no geological detail was lost. Areally, the dynamic model grid is denser than that of the static model. The PVT description in the simulator is an eleven component Equation-of-State model. The proximity of the free water and the high capillary rise in the low permeable bottom layers imply that a large portion of the reservoir segment is in the transition zone (see Figure 2) . Therefore, it was critical to ensure that proper modeling of the transition zone that takes into account the impact of initial oil saturation on saturation functions was implemented [8] .
The reservoirs are traditionally developed by inverted five spot patterns and as there are no obvious alternatives to this approach, the dynamic models were squares cut out of the static model. Injector producer spacing is just over one km, and in order to appreciate the time factor in comparing the recovery processes the simulations were constrained by a fixed pressure difference between injector and producer. Effectively a pressure difference of 1500 psi is imposed, in line with current practice, where injection pressures are limited by rock competence and at the producing end the pressures are not allowed to drop (too) much below bubble point.
The base dynamic model is therefore a square measuring 750 * 750 m, with injector and producer at diagonal corners (quarter wells). The geological model of the reservoir is fairly layer cake and the layer properties vary only gently over well distances. However, a few wells encountered thin high permeable zones. These high permeable streaks cannot be correlated, but are expected to have a lateral extent of hundreds of meters. It is unlikely that they provide a complete short-cut between injector and producer, but where these high permeable events occur, they impact the flow profile and the (vertical) sweep efficiency. Therefore, as a sensitivity an alternative simulation model was constructed that contained such a high permeable streak.
The simulations primarily address lean gas, sour gas and acid gas injection. The first process is currently practiced in selected areas and the latter two are potential resources from the deeper sour reservoirs. For completeness forecasts with CO 2 and water injection were also carried out.
Modeling results
Injection of lean gas results in a plateau off-take rate of about 2.5 % of STOIIP per annum. This rate can be sustained for some ten years, but after gas break through, the GOR increases rapidly (Figure 3 ).
Sour gas injection yields qualitatively a similar production profile. The latter displacement process is somewhat more stable resulting in a 25 % longer plateau, but after gas breakthrough the oil rate declines in a similar way, if anything, the decline is even a little faster.
The production profile that results from acid gas injection shows a different character. The more viscous injectant causes a lower plateau rate, but lasts longer (60 % more than with lean gas) and importantly, the GOR increases much more gradually after breakthrough, which shows as a less steep reduction in oil rate. Figure 4 compares these predictions on the basis of injected pore volumes. The acid gas injection (first contact miscible) process results in a very high recovery factor in the areally fairly homogeneous reservoirs.
CO 2 has properties that fall in between of those of sour and acid gas, and the production response is similarly in between. Although not first contact miscible, in case of CO 2 injection miscibility develops relatively quickly and the response is closer to the acid gas case than to that of sour gas.
Simulations based on a static model that contains a high permeable streak (see Figure 2 ) resulted in a higher (about twice as high) plateau rate, but the length of the plateau period is more than halved, resulting in a poorer ultimate recovery. Figure 5 illustrates the differences in the calculated oil rates. Figure 6 shows the recovery on the basis of subsurface injection volumes. Interestingly, the difference in dimensionless recovery between the respective models is of the same order as the difference between the farthest apart recovery processes (lean gas vs. acid gas injection) for the same reservoir model. This illustrates that in this particular case the reservoir geological aspects are as important as the choice of injectant.
Finally, a simulation with water injection was carried out. Results are shown in Figure 7 . It will take 100 years to achieve a Recovery Factor that can be obtained with gas injection in 25 years. Moreover, the ultimate waterflood recovery will be limited because a finite fraction of the oil cannot be moved by water, whereas miscible displacements do not suffer from such a limitation.
Discussion
The observation that the recovery factors achieved with alternative gas injection processes correlate strongly with the degree of miscibility between injectant and reservoir oil when compared on the basis of injected pore volumes, is fully in line with expectation. This study shows that this conclusion also holds if the comparison is made on a time basis (for the particular reservoir conditions, under same pressure constraints and well spacing). The plateau rate correlates inversely with the viscosity of the injectant, and therefore would favor the leanest injectant, but that advantage is shortterm and small (difference in initial rate between the lean gas and acid gas injection cases is some ten percent). Moreover, and probably more important is that if the Recovery Factors are compared using the realistic basis of a limiting GOR cutoff, injection of acid gas is the superior process.
Miscibility primarily influences the microscopic sweep efficiency, but frequently of equal or even more importance is the macroscopic sweep. This study showed the potentially large impact high permeable streaks, known to occur in these reservoirs, can have. The effect is that a relatively homogeneous sector of the reservoir could yield an amount of oil that is twice that is achievable in an area where high permeable layers cause low vertical sweep efficiencies.
The choice of injection process is eventually subject to economic screening, which is not the subject of this paper. It is noted that switching from lean gas to sour or acid gas, will result in progressively more oil for a certain amount of injected reservoir volumes, but the operations become similarly more complex and significantly more costly. However, on the proceeds side there is not just the extra oil recovery. In case of sour gas injection, the lean gas that is currently injected will be available for sale. Injection of acid gas has a further merit in that it generates vast quantities of methane as the gas resource contains 60 % CH 4 . Simulations also show that preceding acid gas injection by immiscible sour gas (one of the options under study) had only a marginal negative effect on ultimate recovery compared to continuous acid gas injection.
Well spacing and therefore off-take rates are also subject to optimization. In this study well spacing has not been addressed, but viscous forces dominate the displacement process in this low permeable environment. Therefore the outcome is basically directly proportional to the well spacing.
The base model is moderately homogenous, which results in a fairly stable displacement and therefore (very) high recovery factors. In case of a more heterogeneous reservoir, the process will be progressively less stable. If that results in truly premature gas breakthrough, a Water-Alternating-Gas injection scheme where the water is used to stabilize the front might become attractive. This opportunity has not been addressed. Slug size and composition of the injectant are the prime parameters that have to be optimized in a WAG scheme. However, a classical miscible WAG scheme has as disadvantage that it requires continuous disposal of the acid gas. Moreover, different from most WAG operations, the cost of the injection gas is low.
The PVT properties that are assumed in this work are the results of calculations made with phase behavior programs. Confidence in this approach is due to the fact that a number of experimental PVT studies are available, and the 11-component EOS model was calibrated on slim tube tests with lean gas injection and swelling tests of H 2 S and CO 2 with live crude.
The processes that are discussed in this paper are of severe complexity (surface probably even more so than subsurface) and contain many novel aspects. Indisputably, large scale application will have to be preceded by an extensive further study effort, which will have to include field testing.
Conclusions
Reservoir simulation techniques were used to evaluate the relative merits of various gas injection processes that are considered for application at the less permeable flanks of the subject reservoirs. To this end high-resolution element models were constructed. The PVT module is of the Equation-ofState type and hence geological detail was combined with a precise fluid description. The main observations and conclusions are as follows.
• Injection of lean gas, sour gas, CO 2 , acid gas and combinations thereof were found to result in similar sustainable off-take rates.
• Therefore the ranking of the various gas injection processes in terms of oil recovery is the same whether compared on the basis of elapsed time or injected (reservoir) volumes.
• The sweep efficiency improves with increased degree of miscibility. This shows primarily in longer plateau periods, as the sustainable rates are similar.
• In gas injection schemes it is usually the breakthrough of the injection gas that terminates the process. Effectively, when applying a realistic GOR limit, injection of acid gas could easily recover twice as much oil as is attainable with lean gas. The recoveries that may be expected from sour gas and CO 2 fall in between.
• It was found that the presence of local but lateral extensive (hundreds of meters) high permeable streaks would have a pronounced impact on the recovery. Such phenomena make higher well rates possible but reduce the ultimate recovery. Simulations indicate that the level of heterogeneity has as much of an impact on the recovery efficiency as the choice of injectant. 
